Abstract: Depleted gas reservoirs are appealing targets for carbon dioxide (CO 2 ) sequestration because of their storage capacity, proven seal, reservoir characterization knowledge, existing infrastructure, and potential for enhanced gas recovery. Low abandonment pressure in the reservoir provides additional voidage-replacement potential for CO 2 and allows for a low surface pump pressure during the early period of injection. However, the injection process poses several challenges. This work aims to raise awareness of key operational challenges related to CO 2 injection in low-pressure reservoirs and to provide a new approach to assessing the phase behavior of CO 2 within the wellbore. When the reservoir pressure is below the CO 2 bubble-point pressure, and CO 2 is injected in its liquid or supercritical state, CO 2 will vaporize and expand within the well-tubing or in the near-wellbore region of the reservoir. This phenomenon is associated with several flow assurance problems. For instance, when CO 2 transitions from the dense-state to the gas-state, CO 2 density drops sharply, affecting the wellhead pressure control and the pressure response at the well bottom-hole. As CO 2 expands with a lower phase viscosity, the flow velocity increases abruptly, possibly causing erosion and cavitation in the flowlines. Furthermore, CO 2 expansion is associated with the Joule-Thomson (IJ) effect, which may result in dry ice or hydrate formation and therefore may reduce CO 2 injectivity. Understanding the transient multiphase phase flow behavior of CO 2 within the wellbore is crucial for appropriate well design and operational risk assessment. The commonly used approach analyzes the flow in the wellbore without taking into consideration the transient pressure response of the reservoir, which predicts an unrealistic pressure gap at the wellhead. This pressure gap is related to the phase transition of CO 2 from its dense state to the gas state. In this work, a new coupled approach is introduced to address the phase behavior of CO 2 within the wellbore under different operational conditions. The proposed approach integrates the flow within both the wellbore and the reservoir at the transient state and therefore resolves the pressure gap issue. Finally, the energy costs associated with a mitigation process that involves CO 2 heating at the wellhead are assessed.
Introduction
The ongoing accumulation of greenhouse gas (GHG) concentrations in the atmosphere from various anthropogenic sources is believed to be the primary cause of the increasing temperature of the phenomenon in the lab by injecting CO 2 in a slim tube at high pressure (3500 psia) while maintaining low pressure (200 psia) at the slim tube outlet. CO 2 flashed and caused localized cooling within the slim tube that eventually resulted in hydrate formation and a complete flow blockage.
The JT cooling effect in relation to CO 2 injection into low-pressure formations has been discussed by many authors [36] [37] [38] . However, few studies have investigated the transient flow behavior within the well tubing. Most existing studies assessed the conditions of CO 2 flow in its steady state using standalone thermodynamic phase-behavior calculations and without coupling the CO 2 flow in its steady state with the flow inside the reservoir [39, 40] . Because of this decoupled steady-state approach, a discontinuity in the pressure profile was predicted within the wellbore. As we explain below, this pressure discontinuity, also referred to as the pressure gap, is unrealistic. In this work, we focus on investigating the multiphase flow behavior of CO 2 in the wellbore under different operational conditions. We show that the pressure gap, which reflects the discontinuity between the liquid CO 2 and gaseous CO 2 densities, is an artifact of the steady-state assumption. Then, we introduce a new coupled approach that integrates the multiphase flow in the wellbore and the reservoir at the transient state. We show, for the first time, that CO 2 flows in an unstable two-phase state where liquid CO 2 and gaseous CO 2 coexist. This flow behavior cannot be captured by a steady-state model. We also assess a mitigation process of heating CO 2 at the wellhead.
This paper is organized as follows. First, we discuss the phase-transition issue relative to CO 2 sequestration in depleted gas reservoirs. Next, we review the decoupled model and the resulting pressure gap. Then, we introduce our coupled model and show the synergy between the two approaches. Finally, we discuss a potential solution to mitigate the flow-assurance issue by heating CO 2 . Note that we use field units in the analysis, and we refer to Lake 2007 [41] for the conversion factors to the SI metric unit. Ice formation from Joule-Thomson (JT) cooling on the exterior of the wellhead system of a CO 2 injection well where CO 2 vaporized from the liquid state to the gas state [35] .
CO 2 Storage in a Depleted Gas Reservoir
The target storage site is an offshore dry gas reservoir located in the North Sea, approximately 140 km offshore. The reservoir is at a true vertical depth (TVD) of 9000 ft (2744 m) with an initial average pressure (P init ) of 4200 psia (290 bara) and temperature (T) of 182 • F (84 • C). The reservoir is currently abandoned at a pressure (P ab ) of 200 psia (14 bara), corresponding to a recovery factor of 90% of the original gas in place. The dominant recovery mechanism is methane gas expansion. The recovery contribution from aquifer support and water drive is less than 2%. As a result, there has been very little change in the average gas saturation of the reservoir during the whole production lifecycle. The reservoir formation is clean sandstone with almost homogeneous porosity and permeability. Thus, the formation properties, capacity, and geological sealing of this reservoir are favorable for CO 2 storage. The proposed CO 2 sequestration plan includes capturing CO 2 from an onshore power plant and transporting it in the dense phase via a 140 km subsea pipeline to the storage site. Technical challenges typically associated with CO 2 sequestration in depleted gas reservoirs include drilling complications in depleted zones and well integrity, as well as CO 2 transport, monitoring, capture, dehydration, and compression. This work focuses on the CO 2 thermodynamics associated with the injection of either liquid or supercritical CO 2 into a low-pressure environment and the potential injectivity issues arising from CO 2 vaporization. The phase transition of CO 2 from the dense state to the gas state produces temperature cooling, an increase in flow velocity, and pressure chokes that could impact wellbore integrity, wellhead control, and CO 2 injectivity. In this study, the CO 2 transport journey from the capture site to the storage site also entails different pressure-volume-temperature (PVT) conditions, as described in the following section.
CO 2 Transport Journey
Understanding CO 2 phase behavior and the associated PVT effects within the surface network, the wellbore, and the near-wellbore subsurface formation is crucial for successful CCS. CO 2 can exist in solid, liquid, gas, and supercritical states. Under very low temperatures (around −109 • F), CO 2 forms dry ice, which is not expected to occur under normal CO 2 injection conditions. When the temperature and pressure exceed a critical point (P c = 1070 psia, T c = 87 • F), CO 2 transitions to the supercritical state. Figure 2 shows the CO 2 pressure-temperature (PT) diagram with the PT regions corresponding to the liquid, gas, and supercritical phase states. The critical point occurs at the intersection of the three state boundaries. Because of the different PVT conditions during the capture, transportation, and injection processes, CO 2 is likely to transition among all three states at different stages during its journey from the capture site to the storage site. In Figure 2 , we superimpose the expected PT stages of CO 2 on the phase envelope, as follows:
•
Stage A: CO 2 is captured, dehydrated, and compressed at the onshore power plant. The required delivery pressure at the compressor depends on the desired injection rate at the wellhead, the pipeline tubing diameter, and the corresponding pressure drop between the compression site and the subsurface reservoir. The pressure drop is expected to vary during the reservoir filling process, as will be discussed later. To maintain efficiency in pipeline transportation, CO 2 must be transported and injected in the dense state. Transporting CO 2 in the gas state is inefficient. Stage A in Figure 2 corresponds to one scenario where the pressure and temperature of CO 2 delivered from a multistage compression unit at the onshore facility is about A = (1550 psia, 150 • F). . We note the liquid-to-gas (L-G) phase transition that occurs as a result of the pressure and temperature change from the surface to the reservoir. Point L-G denotes the flash point of CO 2 . Depending on the flow and thermal conditions, the transition to a gas state may occur within the well tubing or the near-wellbore formation. Additional details are provided in the next section.
• Stage D: This stage represents the expected pressure and temperature conditions after the reservoir has been filled up with CO 2 . We assume 100% voidage replacement, and therefore, the final pressure is expected to roughly equal the initial reservoir pressure. With no perturbation to the average reservoir temperature, stage D in Figure 2 corresponds to a supercritical state of CO 2 at D = (3500 psia, 182 • F).
It should be noted that as the pressure builds up in the reservoir due to CO 2 filling, additional compression for CO 2 at the wellhead could be needed to raise the reservoir pressure to its initial condition (point D), which reflects additional cost associated with the operations and offshore facility. A is the expected P andT after compression at the capture site, B is the expected P and T at the wellhead, C is the (P,T) conditions in the reservoir at the beginning of CO 2 injection, and D is the final (P,T) conditions after filling up the reservoir with CO 2 . S-L represents the transition point of CO 2 from the supercritical to the liquid state, and L-G is the transition point from the liquid to the gas state. Figure 2 highlights two phase transitions for CO 2 that are expected to occur early in the sequestration process. The first one corresponds to the supercritical-to-liquid (S-L) phase transition that occurs within the pipeline that connects the onshore CO 2 source with the offshore surface wellhead. The second one corresponds to the L-G phase transition that occurs somewhere between the wellhead and the reservoir, as discussed above. While the S-L phase transition is gradual and smooth in terms of the change in CO 2 properties, the L-G phase transition is abrupt and discontinuous. The CO 2 density behavior is presented in Figure 3 , which shows the smooth density behavior of CO 2 during the S-L phase transition (AB line) and the discontinuity at the liquid-gas interface during the L-G phase transition (BC line). The density drops by a factor of about five. A CO 2 -water mixture under certain PVT conditions will form a solid hydrate phase that looks like ice. The hydrate-formation (HF) temperature (HFT) is, however, much higher than that of ice or dry ice. Consequently, if CO 2 is not fully dehydrated and water is present, then CO 2 hydrates are likely to form before ice forms. The hydrate-formation envelope for a CO 2 -water system and the CO 2 PT diagram are shown in Figure 4 . The hydrate-formation temperature is around 53 • F (10 • C). If water and CO 2 coexist within the PT region on the left side of the hydrate phase envelope, then CO 2 hydrates will form. Minerals, such as NaCl or KCl, act as natural hydrate inhibitors that can reduce HF. For instance, 2 wt.% of NaCl reduces HFT to 43 • F (6 • C). The CO 2 phase envelopes and the hydrate HFT plots are based on multiphase flash calculations [42, 43] 
CO 2 Thermodynamic Phase Behavior in the Wellbore
Early during the injection process, while the pressure in the reservoir builds up to the CO 2 bubble point, the injected CO 2 will vaporize. The CO 2 flash point will be reached at a location between the wellhead and the subsurface reservoir, leading to the following possible scenarios: Scenario 1-CO 2 vaporization within the well tubing: If CO 2 vaporizes within the well tubing and is not completely dry (i.e., water is present), then hydrates may form within the tubing [27] . On the other hand, if water is absent, as expected, no hydrates will form inside the tubing. However, the risk of hydrate formation due to vaporization within the well tubing will remain relevant within the reservoir as the cooled gaseous CO 2 hits wet sand near the wellbore. Scenario 2-CO 2 vaporization across the perforations: CO 2 vaporization across the well perforations or within 1-2 feet of the wellbore could be the worst scenario. Cooling would be more localized, possibly causing hydrates or even dry ice to form across the perforations, resulting in a loss of injectivity. Scenario 3-CO 2 vaporization within the reservoir: CO 2 vaporization within the reservoir formation, away from the wellbore, is less problematic since hydrate formation is unlikely to result in complete plugging. Nevertheless, this scenario may cause partial loss of injectivity.
The location at which CO 2 reaches its flash point is expected to vary in time as a function of the injection rate, the tubing head pressure (THP), and the bottom-hole pressure (BHP) . To further analyze the flow behavior of CO 2 within the well tubing, we used two modeling approaches. The first one is a commonly used decoupled approach that models the flow performance of steady-state CO 2 in the wellbore. With the decoupled approach, the flow in the wellbore is analyzed at the steady state without accounting for the transient response of the reservoir. We introduce a coupled approach that integrates the transient flow both within the wellbore and in the reservoir. The limitation of the decoupled approach is that it misses the liquid-to-gas transition state of CO 2 , which results in a pressure gap at the wellhead. In contrast, the coupled approach captures the liquid-to-gas transition stage and therefore resolves the pressure gap issue, as will be detailed later. The geothermal gradient, including the subsea temperature and thermal conductivity, between the fluid in the wellbore and the surrounding environment are considered. In the following sections, we discuss the results from both the decoupled and the coupled approaches.
Decoupled Approach
With this approach, we study the behavior of steady-state CO 2 in the wellbore under static and dynamic conditions (i.e., during CO 2 injection).
Behavior under Static Conditions
We investigate the CO 2 phase behavior and bottom-hole pressure (BHP) in the wellbore under hydrostatic conditions (non-flowing) with different operational conditions for a range of THP scenarios. The relevant data for this model is provided in Table 1 . Hydrostatic conditions may occur during shut-in times, when the pressure in the wellbore reaches equilibrium with the reservoir pressure, and the fluid temperature corresponds to the natural geothermal gradient. Here, we consider the case of CO 2 in the liquid state at 43 • F. Density and phase behavior calculations for CO 2 were performed using the Peng-Robinson EOS [44] . Table 2 provides the relevant input parameters. Under static conditions, friction is irrelevant; therefore, the pressure profile in the well column is independent of the tubing diameter. Figure 5 shows the CO 2 pressure in the wellbore versus depth and versus temperature for the different THP scenarios. When THP is gradually increased from THP = 610 psia to THP = 611 psia, a discontinuous behavior (i.e., a pressure gap) appears in the BHP. In Figure 6 , we superimpose the PT curves shown in Figure 5 on the CO 2 PT phase envelope. This plot shows the PT conditions where CO 2 would be in the supercritical, liquid, and gas states within the wellbore. For any THP scenario below 610 psia, which is around the CO 2 bubble-point pressure at T = 43 • F, CO 2 will be in the gas state throughout most of the wellbore. With a slight increase in THP (611 psia), CO 2 converts to a dense state (liquid or supercritical), and a jump in BHP occurs. In Figure 7 , we plot BHP versus THP, the values of which were obtained from the pressure profiles shown in Figure 5 , to highlight the pressure gap observation. This pressure gap, which is a result of the discontinuity between the liquid CO 2 and gaseous CO 2 densities, may wrongly imply that THP cannot be controlled well enough to achieve a smooth behavior in BHP. 
Behavior under Dynamic Conditions
We performed similar calculations to assess the pressure behavior within the wellbore under dynamic conditions, i.e., during CO 2 injection. We note that THP represents the injection pressure, which can be controlled at the wellhead to achieve the desired injection rate. The pressure and temperature profiles under dynamic conditions vary as a function of the pressure loss due to friction in the tubing and temperature changes due to heat exchange (loss or gain) with the medium surrounding the wellbore. To address the impact of the injection rate and temperature, we consider four test cases where we vary the injection rate (R) and the surface temperature of the injected during CO 2 injection (T) as follows: 15  43  2  15  100  3  50  43  4 50 100 * MMSCF/day: million cubic feet per day at standard conditions.
We emphasize that at a low temperature (T = 43 • F), CO 2 is in the liquid state, and therefore, a liquid-to-gas transition will occur; at a high temperature (T = 100 • F), CO 2 is in the supercritical state, and therefore, a supercritical-to-gas transition will occur. Figure 8a ,b show the BHP versus THP plots under dynamic conditions for Cases 1-2 and 3-4, respectively. A pressure gap appears in the BHP profile for the cases with a low temperature (Cases 1 and 3), similar to our results under static conditions (Figure 7 ). On the other hand, the BHP-THP curve is continuous at a high temperature, i.e., when CO 2 is injected in the supercritical state (Cases 2 and 4). We note that the BHP-THP relationship at a given injection rate (R) influences the surface injection pressure (i.e., THP) that is required to maintain the desired injectivity as the reservoir pressure (i.e., BHP) builds up. When BHP appears to be zero in Figure 8b (Case 4), this is an indication that the desired injection rate cannot be achieved at a particular THP; therefore, a higher THP is required. Unfortunately, this decoupled approach, though commonly used in the literature, does not provide an adequate representation of the pressure or injectivity behaviors. Therefore, an alternative model is needed. 
Coupled Approach
Integrated wellbore and reservoir models were built using a compositional reservoir simulator, Eclipse by Schlumberger. Our objective is to study the CO 2 flow behavior in the wellbore under transient conditions and to investigate the BHP-THP relationship with emphasis on the pressure gap issue in particular. One common method of coupling the fluid flow in the reservoir and the wellbore is to use vertical lift performance (VLP) curves, which can be provided as lookup tables in the reservoir simulator. VLP tables describe the relationship between BHP and THP at different injection rates. As the VLP curves are expected to be continuous and monotonic, the discontinuity in BHP makes this approach unfeasible. Imposing artificial smoothing on the discontinuities would produce wrong results. To overcome this challenge, we build a simulation model that explicitly incorporates both the wellbore and the reservoir. We use a 3D radial model that mimics the reservoir, including the aquifer, the reservoir, and the overburden. The innermost radial grid blocks are used to represent the wellbore, and the outer grid blocks represent the aquifer, the reservoir, and the reservoir overburden, as shown in Figure 9 . The model properties are provided in Tables 2 and 3 .
The grid blocks representing the wellbore are assigned a porosity of 100% and a permeability of 10,000 Darcy. The permeability was tuned to mimic the pressure drop, including the friction effect, within the wellbore. The top wellbore grid block is set as the injection point (see Figure 9 ). The well THP is controlled to achieve a constant injection rate. The injection pressure at the wellhead represents THP, and the pressure at the top perforation in the reservoir represents BHP (see Figure 9) . The model satisfactorily captures the impact of temperature variation with depth on the CO 2 thermodynamic properties and phase behavior. Here, we consider two cases. In the first case, we assume that CO 2 is injected in its supercritical state at T = 100 • F. In the second case, we assume that CO 2 is injected in its liquid state at T = 60 • F. The two cases are detailed below. In this case, we assume that CO 2 is injected in its supercritical state at 100 • F with a target injection rate of 50 MMSCF/day. As discussed previously, injecting CO 2 at a high temperature (i.e., under supercritical conditions) at the wellhead will result in a supercritical-to-gas transition, which is a smooth and continuous phase transition. The well injectvity is controlled by the rate of injection, and therefore, the model will determine the minimum THP needed to inject at the desired rate. The calculated BHP is a result of THP, the injection rate, and the reservoir pressure. Pressure and density are recorded in the wellbore at different times. Figure 10a ,b show, respectively, the pressure and density profiles in the wellbore as the reservoir pressure builds up over time. We observe two distinct behaviors in the pressure profiles. At early injection times (<4 years), the pressure decreases with depth as a result of the backpressure provided by the reservoir. At later injection times (>4 years), the pressure increases with depth as the reservoir pressure builds up. The density follows a similar trend. At early injection times, the density exhibits a smooth decreasing trend with depth as CO 2 converts from the supercritical state to the gas state, driven by the low reservoir pressure (Figure 10a) . At later times, as the reservoir pressure builds up, CO 2 is in its supercritical state throughout the whole wellbore. The density has a smooth increasing trend with depth, resulting from the higher CO 2 compressibility as pressure increases. The well THP and BHP versus time are shown in Figure 11a . Even as BHP increases by about 2000 psia during the first 20 years of injection, THP increases by less than 100 psia and is able to maintain the desired injection rate. The injection pressure is naturally supported by the increasing weight of CO 2 as it gets denser with pressure. The BHP-THP curves generated by this coupled model and by the previously discussed decoupled model are shown in Figure 11b . They show consistent trends, as expected. We note that the selection of the wellbore permeability is based on the calibration for one point in the BHP-THP curve. The objective here is not to get an exact match between the two models, but rather to better understand their synergy. 
Case 2: Injection of CO 2 in the Liquid State
In this case, CO 2 is injected in its liquid state (60 • F) with the same target injection rate at the wellhead as in the previous case, i.e., 50 MMSCF/day. The current case, however, is more challenging as discontinuities in the CO 2 properties will occur as CO 2 transitions from a liquid to a gas. Figure 12a shows the pressure profile and the density of CO 2 versus depth after a year of injection. The pressure and density behaviors show two distinct states for CO 2 . A stable CO 2 gas state forms in the lower section of the wellbore (highlighted in red) where the pressure is below the CO 2 bubble-point pressure. In the upper region of the wellbore, CO 2 shows an interesting behavior that corresponds to a thermodynamically unstable state. This unstable state is a two-phase gas-liquid state where CO 2 gas and CO 2 liquid coexist. The pressure in the wellbore is roughly equal to the bubble-point pressure, and the density fluctuates between the gas-phase and liquid-phase densities. Therefore, the upper region is neither gas nor liquid; rather, it is an unstable two-phase state. This behavior cannot be captured using steady-state models. Figure 12b shows the pressure profile and the density of CO 2 versus depth after 7 years of injection. A similar behavior appears. One key difference can be observed in the state behavior of CO 2 in the lower section of the wellbore. As the reservoir pressure builds up, the pressure in the lower section exceeds the CO 2 bubble-point pressure. Thus, the CO 2 gas converts to a stable dense phase. CO 2 in the upper region is still in an unstable two-phase state. To draw a complete picture, Figure 13 shows the pressures at different times during the injection period, versus depth. The unstable two-phase region disappears after 18 years of injection as the pressure throughout the entire wellbore exceeds the CO 2 bubble-point pressure. The corresponding densities are plotted in the left panel of Figure 14 , which shows a stable gas region and an unstable two-phase region. Similarly, the right panel in Figure 14 shows a stable dense-phase region and an unstable two-phase region co-occurring in the wellbore up until 18 years of injection. After 18 years, CO 2 is in a stable dense state throughout the entire wellbore. The well BHP and THP are shown as functions of time in Figure 15a . Until 18 years of injection, the wellhead pressure remains roughly constant, and a constant injection rate is maintained, whereas BHP increases as CO 2 fills up the reservoir. THP starts to increase when CO 2 is in the dense phase throughout the entire wellbore because no more injectivity support comes from gravity (i.e., CO 2 weight in the column). The BHP-THP curve from this coupled model is shown in Figure 15b and compared to the BHP-THP curve obtained from the decoupled model. The two approaches appear to be consistent. However, a key difference is the BHP jump (i.e., pressure gap) produced by the decoupled model, which is unrealistic. This limitation of the decoupled model is related to the steady-state assumption, where the unstable two-phase CO 2 in the upper region of the wellbore cannot be captured. 
CO 2 Heating
As discussed previously, injecting CO 2 in its liquid state could be an operational hazard. One potential remedy to overcome this issue is to heat CO 2 at the wellhead. Then, CO 2 will be injected in its supercritical state. There are other potential solutions, such as the use of hydrate inhibitors, but they are not discussed in this work. In this section, we provide a rough estimate of the energy required to convert CO 2 from the liquid to the supercritical state by heating. The required energy depends on the initial and the final temperature of CO 2 . Here, we assess two scenarios: (1) heating CO 2 from 40 • F to 90 • F, and (2) heating CO 2 from 60 • F to 90 • F. The energy required to heat CO 2 can be roughly calculated from the pressure-enthalpy diagram shown in Figure 16 . CO 2 enthalpies during the initial and final stages are from the NIST chemistry webbook (NIST, 2011). The required energy is a function of the initial pressure, the final pressure, and the temperature. For instance, to heat CO 2 by 60 • F (e.g., from T = 40 • F to T = 100 • F) at a constant pressure of 1000 psia, the required enthalpy difference is about 100 Btu/lb (see Figure 16 ), which corresponds to roughly 65 kWh per metric ton of CO 2 (1 Btu = 0.000293 kWh; 1 ton = 2204.6 lb). The required enthalpy depends strongly on the initial state of CO 2 . Consider the three scenarios, A1, A2, and A3, shown in Figure 16 . The most energy-demanding scenario to heat A1-to-B1 (liquid-to-liquid), A2-to-B2 (liquid-to-gas), and A3-to-B3 (gas-to-gas) corresponds to the condition that involves phase transition (i.e., latent heat). Figure 17 shows the energy requirements for the two scenarios (40 • F to 90 • F and 60 • F to 90 • F) as a function of pressure. As the injection pressure is expected to be within the range of 600-1000 psia, the energy required to convert CO 2 from the liquid to the supercritical state is roughly 60-70 kWh per metric ton of CO 2 . 
Conclusions
This work addressed an operational challenge related to the injectivity of CO 2 in depleted gas reservoirs. Injecting CO 2 in its dense state into a low-pressure reservoir will result in CO 2 vaporizing within either the wellbore or the subsurface reservoir formation. The vaporization process is associated with a temperature drop because of the Joule-Thomson effect, abrupt variations in the thermodynamic properties of the CO 2 phases, and an increased flow velocity because of CO 2 expansion. These phenomena could be hazardous as they may cause flow assurance issues such as the formation of hydrates, loss of pressure control, and compromised integrity of the wellbore. Understanding the flow behavior of CO 2 in the wellbore was the main focus of this work. We showed that the commonly used decoupled modeling approach is not adequate to describe the flow behavior of CO 2 when a liquid-to-gas transition occurs inside the wellbore. The decoupled approach predicts a discontinuity in the bottom-hole pressure (i.e., a pressure gap), which is unrealistic. The inherent limitation of the decoupled approach is its inability to capture the transient effect that occurs during the CO 2 vaporization process. We proposed an alternative, coupled approach that integrates the flow in both the wellbore and the reservoir. This new approach explained the pressure gap issue and showed, for the first time, that the liquid-to-gas transition of CO 2 is not instantaneous and not localized. The model showed two distinct behaviors of CO 2 in two regions of the wellbore. CO 2 in the lower region of the wellbore was in a stable single-phase state, and CO 2 in the upper region was in an unstable two-phase state. Within the two-phase region, liquid and gas CO 2 coexist. This behavior enabled a gradual and continuous build-up in the bottom-hole pressure, which was not captured correctly by the decoupled approach. We also evaluated one possible solution to the liquid-to-gas transition issue, which is to convert CO 2 from the liquid to the supercritical state by increasing its temperature at the wellhead. We estimated that 60 to 70 kWh per metric ton of CO 2 would be required to sufficiently increase the temperature of CO 2 . There could be additional costs depending on the efficiency of the facility and the heat exchanges.
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